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Executive Summary
This report seeks to apply classic project economic analysis to the impact of the energy
transition and Covid-19 on Senegal, as an “early stage” oil producer.
Like some 15-20 other countries around the world, Senegal had already been moving towards
its first scaled production of fossil fuels after the Paris agreement to cut carbon emissions has
been signed and during a period in which Electric Vehicle sales are doubling every 12 months
– and that was before Covid-19. Oil revenues and the possibility of economic transformation
have held a prime role in public discourse in the country for the last 5-6 years but the question
this report seeks to address is: what happens when national-level expectations for an
emergent industry meet stark global recession in the short-term, and market and policy
movement to close down fossil fuels over the longer-term?
What it finds is that there is a significant chance Senegal’s oil and gas resources, beyond those
programmed into the carefully delineated first phases of projects now underway, are already
stranded. Projects which looked viable in 2019 have become marginal in 2020. While
companies are used to investing under price volatility, few expect oil or gas prices to return
soon to where they were in 2018-19, and meanwhile market signals about structural price
decline because of the energy transition grow louder.
This graph of long-term price
scenarios shows how fast
things have moved. The blue
line shows a forecast from the
International Energy Agency
in late 2018. The red line
showing slow decline in the
middle was modelled on an
IMF
working
paper
considering what would
happen if oil demand peaked
in the early 2020s and then
went into slow decline. But
that assumed the starting point was 2019’s spot market prices of $65. The orange line at the
bottom takes in the developments of 2020. It assumes some measured recovery of prices
from early 2020 levels. But structural price decline still kicks in at about 2030. Even the gap
between the orange and red lines represents something like a trillion dollars a year in sales –
and billions of dollars over the lifetime of any individual project of scale.
This then interacts with the long lead times of oil and gas projects, especially offshore, which
is the focus of development in Senegal. Exploration has been impeded by Covid-19. But a
discovery made in 2020 would typically not reach peak production until 2030s and, under the
“business as usual” assumptions which prevailed until recently, still be producing in 2050. The
development stage, where billions of dollars need to be committed in a project lasting
decades, is the “Great Filter” on new production. This is why, according to Rystad, sanctions
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of new fossil fuel projects have virtually collapsed in the first half of 2020. This makes the
development of discovered but as yet undeveloped projects like Yakaar-Terenga rapidly more
unlikely as time passes.

The graphs above show how important the life stage of an individual project is in considering
its commercial viability. Both projects follow the same curve of heavy costs up front, then a
period of peak production to recover investment and earn profits. In the graph on the left,
the project has already run most of its life and is looking at a tail of production and revenues.
Short-and long-term price declines are going to have a marginal effect – the area between
the red and blue lines is small. But the project in the graph is at an earlier stage: price decline
hits it while it is still ramping up production, and so the losses (the gap between the two lines)
are massive.
None of Senegal’s projects are yet in production.
Although two projects are now under development, the Sangomar oil field in the south and
the Grand Tortue Ahmeyim (GTA) gas field in the north, financing and commitments have
been restricted to first phases which will produce only a portion of their known reserves: less
than 40% in Sangomar and perhaps as little as 10% in GTA. The fact that the development
stage filter has been passed in both projects, at least formally in terms of the Final Investment
Decision (FID), is why those first phases are likely to proceed as announced – billions of dollars
have already been spent and are sunk costs, making their economics much more viable than
any new project. But it is important to understand that, in business terms, expansion of those
same fields will be evaluated in the same way as so-called “green field” sites, and analysed as
separate projects. Sangomar’s expansion to reach all current reserves would take another $4
billion, while significantly adding capacity to GTA would cost likely at least $2.5 billion. The
companies will estimate rates of return on those chunks of capital, and the incremental
income they could bring, independently of operations. There may be some cost efficiencies
relative to an entirely new project. But the expansions still lie behind the development stage
filter.
Under this context, the report adopts the approach of modelling the market of 2020,
assuming the structural price decline increasingly predicted worldwide by observers of the oil
industry, and constructing a base scenario of Sangomar and GTA phase 1.
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It reaches the following main conclusions:
•
•

•

•

•

•

•

The offshore sector will make no significant contribution to Senegal’s public finances.
Income will barely reach 2% of the annual budget, and then not until the 2030s.
Oil and gas revenues cannot alleviate Senegal’s public debt of about $15 billion. Using
standard methods of discounting future income to assess present value for debt
purposes (i.e. collateral), the sector might be worth $ 1 billion – in total. This is less
than a year’s servicing of current debt.
The time window to develop any new discoveries has probably already closed. This
applies to gas as well as to oil, despite its touted role as transitional, since global
Liquefied Natural Gas (LNG) markets are now set to be structurally oversupplied for
the next decade.
There is scope in the case of GTA that investors could engage in forms of arbitrage to
improve their financial position, either through agreements around LNG processing
which are yet to be concluded, or sales agreements. Either of these would further
reduce future revenues to Senegal from base scenario.
Companies will likely not bid under the terms set in Senegal’s first licensing round,
currently scheduled for September 2020, since they attempt to redress the relatively
low government share of profits in previous contracts by imposing higher fiscal terms,
at just the time when investors feel squeezed by Covid-19 and energy transition.
Exercising Senegal’s contractual right for its state oil company Petrosen to “farm in”
to the Sangomar and GTA projects, even at their current reduced scales, exposes
Senegal to over a billion dollars more debt. There is a significant risk these loans might
never be earnt out, making them loss-making investments.
Project economics are highly sensitive to any further perturbance, such as any more
operational delays due to Covid-19, or the possibility that Senegal might seek at any
time in the next 20 years to limit fossil fuel production as a policy objective. These
have not been included in the model, but would further reduce revenues.
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The Global Environment for new petroleum producers
The possibility of developing Senegal’s offshore fossil fuels is affected by energy transition
and market signals in the long term, and Covid-19 in the short-term. We consider the impact
of each in turn.

Energy Transition: Demand Side effects
Although political leaders of virtually every country in the world in 2015 agreed that climate
change, triggered by consumption of fossil fuels, was a critical issue that needed to be
addressed, no clear mechanisms for doing so have emerged since. This paper is not primarily
about climate change policy, but rather the impact that policy will have on Senegal, as an
early stage new oil and gas producer. As such, the details of climate change policy will not be
discussed in detail. Nevertheless, a summary of the main lines of thought needs to be made
to set the context in which different price and production scenarios have been included in the
financial model.
Carbon Tracker: energy transition supply curves
The UK-based think tank Carbon Tracker has produced a number of pieces of research since
2012 on the impact of climate change policy on fossil fuel producing companies. Its main
concern has been to ensure that investors in these companies are adequately informed of the
risk of stranded assets caused by a carbon bubble. This is because the total amount of carbon
that can be burned through oil, gas or coal is a fraction – somewhere between a third and a
quarter – of the reserves that have already been discovered. Fields which have been
discovered but will be left in the ground in order to meet emissions reduction targets are
described as “stranded”, since they will never get to market and be sold, and this then has an
impact on the real value of companies for whom such assets, in the form of “booked barrels”
represent a considerable part of their market capitalisation.
CarbonTracker’s report of July 2018 estimates the prices oil needs to reach in order for new
projects to pay off for investors, depending on two factors: first, the costs of development,
which vary considerably from one project to another because of geology, infrastructure,
contractual structures and so on; and second, which global supply scenario developments are
modelled against. Using a supply-curve approach, Carbon Tracker models against three
scenarios published by the International Energy Agency: the New Policies Scenario (NPS), the
Sustainable Development Scenario (SDS), and the Beyond 2 Degrees Scenario (B2DS)1.
Carbon Tracker estimates that a breakeven price of $57 is needed for a new project to earn
an investor a 15% rate of return, the oil industry’s so-called “hurdle rate”, under the B2DS,
about $65 per barrel under SDS and something like $82 per barrel under the New Policies
Scenario.
An earlier (2016) report about gas followed a similar approach. Although the oil industry has
argued that because gas is less carbon intensive, it has a long-term role in the transition to a
lower carbon economy, Carbon Tracker estimated that new projects would need to be viable
1

https://www.carbontracker.org/reports/2-degrees-of-separation-update/
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under a gas price of $9.54 per million British thermal units (mBtu), assuming a lower 10% rate
of return to the investor, to be viable.
The impact of the Electric Vehicle on oil markets
The IMF has issued a study in 2017 making the case that the Electric Vehicle is likely to replace
the motor vehicle in the next few years and that will cause the oil price to collapse in the late
2020s and 2030s until it is about $15 per barrel in 2040 (in today’s dollars). Attached to the
IMF study is an indicated series of price forecasts, which this report takes to construct one of
three price scenarios in the financial model.2
The paper studies previous energy transitions – from wood to coal in the last half of the 19th
century, and from coal to oil in transport systems in the first half of the 20th century, and
concludes that once a transition starts, the peak of demand for the old fuel can happen while
overall use of the new energy sources still account for a small percentage of overall
consumption.
Carbon Tracker’s 2018 report “Why You should see the fossil fuel peak coming”3 argues along
the same lines as the IMF report on oil, but broadens estimates to the other fossil fuels. Peak
fossil fuel demand is likely in the 2020s, even while renewables still account for a low
percentage of total use, assuming a rise of total energy demand of 1.5% per year, and wind
and solar power to expand by 17% per year.

Supply Side effects
Although climate change mitigation has traditionally been led by demand-side policies such
as carbon trading systems, there is a new focus on supply-side policy options. Under the 2015
Paris agreement, governments are due to formulate the next round of the Nationally
Determined Contributions (NDCs) to submit to UNFCCC in 2020. Pressure on continued
exploration and production of new fossil fuels could come from a number of different angles:
there is increased analysis and attention to phasing out fossil fuel subsidies4, the increasing
scale of divestment by investment funds, and decisions by governments to refrain from
further exploration5.
None of these initiatives were likely to have a dramatic effect on fossil fuel production by
themselves. But they all sent important signals to the markets that some form of managed
decline is likely. Pressure to intervene at the policy level was likely to increase over time as it
became clear that the Paris agreement targets could be met if even all of the reserves that
have already been fully developed, with transport and infrastructure, were produced out.6
2

https://www.imf.org/en/Publications/WP/Issues/2017/05/22/Riding-the-Energy-Transition-Oil-Beyond-204044932
3
https://www.carbontracker.org/reports/2020-vision-why-you-should-see-the-fossil-fuel-peak-coming/
4
IMF: How Large are Fossil Fuel Subsidies https://www.imf.org/en/Publications/WP/Issues/2016/12/31/HowLarge-Are-Global-Energy-Subsidies-42940
5
Such as Costa Rica, France and Belize
https://unfccc.int/sites/default/files/resource/11_12_13__SEI_Talanoa_Fossil_Fuels.pdf p 6
6
Cf The Sky’s the Limit, Priceofoil.org
http://priceofoil.org/content/uploads/2016/09/OCI_the_skys_limit_2016_FINAL_2.pdf
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This is where the decades-long normal life of oil and gas projects comes into play. Since a new
investment decision today could be on a project expected to continue in production into the
2040s, or even longer, any implementation of a supply side policy to “keep it in the ground”,
even if it happened in 10 years time, one, two or even three electoral cycles forward from
today, could have a dramatic impact on discoveries and investments made today.
What the arrival of Covid-19 has done is to create chaos in the short term too.

Covid-19: has peak oil already been reached?
These effects from evolving energy transition response, whether by policy or in the market
place, were already in evidence in the last years of the 2010s. The arrival of the price crash,
and Covid-19 in 2020 accelerated them.

This can clearly be seen in the advance of estimates as to when peak oil demand will come.
While most of the oil industry has accepted for some time (in theory) that climate change will
require transition to clean energy eventually, industry observers were putting peak oil
demand as far in the future as the mid-2030s. During the flotation of Saudi Aramco in
December 2019, for example, the company’s official prospectus document projected peak oil
demand to 2035.
But the events of 2020 have changed that. Rystad, a leading supplier of technical information
to the oil industry, suggested that Covid-19 may have brought peak oil demand forward from
the late 2020s, which was its estimate before the outbreak, to 2019 – in other words it may
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already have happened.7 Wood Mackenzie, another industry information service, suggested
oil demand had probably become permanently lower as a result of the virus8, while BP’s Chief
Executive Bernard Looney said he believed it was possible peak oil had already occurred9,
while his counterpart at Shell, Ben van Beurden, has stated several times in recent media
interviews some of the company’s assets may no longer be viable.
The clearest impact so far is on the “upstream” of the oil industry – commissioning of new
projects. This makes sense since these are projects which are most vulnerable to long-term
energy transition effects, as they are right at the beginning of their life cycle. According to
Rystad, sanctioning of new by oil majors projects had dropped by 95% in the first half od 2020.

Gas as transition Fuel and LNG Oversupply
A clear hierarchy has emerged in the way institutions and markets interact with the energy
transition, which relates to the relative carbon intensity of each of the three fossil fuels. Coal,
the most intensive, is an advanced stage of phase out. Crude oil is in the middle, less carbon
intensive than coal and still deeply embedded in the world’s transport systems. Gas is at the
other end of the spectrum, with only half the emissions of coal per unit of energy created10.
Under this ordering, gas is often promoted as a “transition fuel” which can meet current and
future energy demand even as the world moves to carbon neutrality. It might be assumed,
then, that gas discoveries such as GTA and Yakar-Terenga would be relatively unaffected by
the transition. Indeed there is no similar discussion with gas as to when peak demand might
be reached. Most projections of future energy demand show demand for gas growing, with
LNG growing at a still faster rate within industry.11
But in fact, gas is also affected by similar price pressures to oil. In the period 2018-2020 prices
collapsed and the three great regional markets of Europe, Asia and the USA came closer to
converging than they have ever done. Then Covid-19 pushed prices still lower in early 2020.
In the case of gas, prices have fallen under the emergent impact of structural oversupply of
LNG. The world currently produces about 400 million tonnes of LNG per year. But projects
already sanctioned or under development will bring another 150 to 200 mta onto global
markets in the 2020s. This increase in supply exceeds projected increase in demand, hence
predictions by many observers that while LNG prices may recover from historic lows of early
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https://www.rystadenergy.com/energy-themes/energy-transition/peak-fossil-fuels/
https://www.woodmac.com/news/opinion/assessing-the-risks-to-future-oil-demand/
9
https://www.axios.com/bp-boss-peak-oil-demand-may-have-just-happened-6bd668ec-b325-472d-af06e0747ea4f342.html
10
It should be noted that this definition of gas as relatively unpolluting is theoretical, and naïve to the question
of the scale of fugitive emissions of methane from well and pipeline infrastructure before it gets into power
plants to be burned. See for instance https://www.ipccnggip.iges.or.jp/public/gp/bgp/2_6_Fugitive_Emissions_from_Oil_and_Natural_Gas.pdf This paper does not
have the scope to discuss this.
11
Cf Rystad webinar May, 2020
8
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202012, they are likely to remain well below where they were in the last decade, and that a
bear market could persist for many years13.
Although it is too early to say whether the price convergence of Europe, Asia and the United
States will evolve into an integrated global spot market in LNG for the first time, each of these
big markets offer distinct challenges to potential new LNG exporters such as Senegal. The socalled “shale revolution” which has unfolded since 2005 means the USA will never be a
significant importer of natural gas again, as LNG plants originally built for import have been
reversed, at great cost, to enable LNG exports. The large premium which endured in Asian
markets for decades has disappeared as major producers already connected to the market,
like Qatar and Australia, announce further expansions. And Europe, where prices have
traditionally sat between American lows and Asian highs, is oversupplied with pipeline gas
from Russia and Turkey, has many LNG terminals and an interconnected grid to enable it to
take advantage of low prices in the spot market, and is pursuing an aggressive Green Economy
policy which favours renewable energy. The nature of gas pricing is also changing globally in
a way which could prolong a bear market: whereas LNG markets evolved in Asia by being
linked to crude oil pricing14, pricing is increasingly being driven by so-called “gas on gas”
competition. This then suggests that the structural oversupply of LNG is likely to be the most
significant element in pricing spot markets, keeping prices lower for longer.
The glut of LNG in 2020 and medium-term oversupply could then have the effect of
eliminating or sharply reducing the role of gas as long-term transition fuel.

Conclusion: what about producer countries?
Since climate change was first acknowledged as a global threat by most policy makers, nearly
two decades ago, there has been much analysis of how policies to cut carbon emissions would
impact the global economy, or the politics required to make them happen, or, more recently,
the impact on fossil fuel producing companies. As well as Carbon Tracker, the oil majors have
been known to be pricing a cost of carbon into their internal investment reviews of potential
new projects since at least 2012.15 The purpose of this financial analysis is to carry over some
of the same thinking and analytical concepts to the point of view of a so-called new producer
country such as Senegal.

12

E.g. https://www.iea.org/reports/gas-2020 the International Energy Agency, June 2020
E.g. http://www.gasprocessingnews.com/news/mckinsey-energy-insights-forecasts-lng-oversupply-until2024.aspx McKinsey predicting oversupply of LNG until at least 2024.
14
Which would mean that, at least in theory, gas prices could come back up again if oil prices did.
15
http://big.assets.huffingtonpost.com/22Nov2013-CDP-InternalCarbonPriceReprt.pdf
13
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Senegal’s Budding Fossil Fuels Industry
Projects Under Development: Tortue and SNE
After the first discovery of significant reserves in 2014, Senegal became a leading new frontier
oil province, part of a greater play down the coast of West Africa from Mauritania to Guinea
Bissau.
The SNE Field
FAR Petroleum, an independent Australian firm, made the 2014 discovery in the SNE field –
now renamed Sangomar. There were several farm-ins and farm-outs, FAR ceded operatorship
to Cairns, Conoco Philips came in and out, and a final investment decision was declared, after
many delays, in January 2020, in the days before the bottom fell out of the oil market.
Investors announced that first oil, originally scheduled for 2022, was now expected in the first
quarter of 2023, with Covid-19 having caused operational delays. Contingent resources
confirmed by extensive exploration and appraisal drilling was confirmed into 231 million
barrels of proven reserves at the end of 2019. Although overall field size has been described
in industry press as about 600 million barrels, with the possibility of more discoveries to come,
it is this 230 million barrels which is the target of the Phase 1 development plan announced
by Cairn and its partners Woodside and FAR.
One clear reason to emphasise Phase 1 is it reduces the capital expenditure required from
earlier estimates of $8 billion16 for three phases to $4.2 billion17. Even so, although an FID has
been declared it was clear in early 2020 that the partners are having trouble raising finance.
In May 2020, FAR declared that they were seeking to sell their stake because they had failed
to raise $300 million to cover its share of capital costs18. Cairn also, which unlike FAR has
income from producing operations in the North Sea and elsewhere, reported the risk of being
unable to raise the capital needed for Sangomar as material in its 2019 annual report,
published in April 202019. The company also declared for 2019 a $532 million impairment –
reduction in estimate of its assets – which it said “principally reflects a reduction in the
recoverable value of the Senegal development asset”. Woodside, which has now become the

16

FAR Petroleum investor presentation May 2018 quotes capex costs of $12 per barrel life of project
http://www.far.com.au/wp-content/uploads/2018/06/20180603-Investor-presentation.pdf
17
This probably includes over a billion dollars already spent. The model assumes the total left to be invested
between 2020 and 2023 is just over $3 billion.
18
https://www.ogj.com/general-interest/article/14175151/far-starts-process-to-sell-sangomar-field-interest
19
https://www.cairnenergy.com/media/2564/cairn-energy-annual-report-2019.pdf “The decision to sanction
the development project in Senegal represents a significant increase to our planned capital programme over
the period to first production, currently targeted for 2023. In order to fund this capital programme, the Group
will seek to increase the size of its current borrowing facilities and may also seek to add further debt facilities”
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operator, declared that it had slashed upstream investment by over 60% from planned levels
worldwide in 2020, as it struggled to cope with the fall out of Covid-1920
Even the economics of the cheaper project look marginal, as described in the results section
below, and, despite multiple pronouncements of continued commitment, not absolutely
locked in.21
The model assumes Phase 1 will go ahead, but perhaps guided as much by other factors as
rigorous project-level assessment of profitability. Sangomar is a flagship project for all of the
consortium partners now involved because of a number of factors: it is the first play in a whole
new frontier province; it is perceived as the first of many – and extended exploration has
shown there are plenty of hydrocarbons in the basin; and it is central to the growth strategies
of all three companies, who are not supermajors with massive portfolios and large ongoing
production22. To abandon the project entirely would send a signal of such strength that the
market would likely conclude those companies, at least, had entered terminal decline.
Tortue: gas field on the border with Mauritania
Interest in Senegal as an oil producer was further stimulated by discovery of a gas field in the
Greater Tortue-Ahmeyim (GTA) field, which adjoins the maritime border with Mauritania, in
2016. BP, who bought into the field in 2016, announced a Final Investment Decision in
December 2018 to proceed with developing the field, originally expecting to start producing
gas in 2022.
In February 2020 the government announced that a gas sales agreement had been concluded
with a subsidiary of BP, BP Gas Marketing23, but there were no details as to price formula,
volume or export market. This could constitute a governance risk of transfer mispricing since
the same business group is then seller and buyer of gas, on the value of which taxes such as
royalties and profit splits are levied.
As with Sangomar, the development path chosen is in multiple phases. Phase One of the
project involves anchoring ships offshore, between the two countries, to convert the gas into
Liquefied Natural Gas (LNG) and export it. The maximum capacity of the plant, estimated to
cost $2.4 billion, is 2.5 million tonnes of LNG per year. What has not been widely understood

20

https://www.oedigital.com/news/477033-woodside-halves-spending-plans-delays-scarborough-browse-fids
For example in Cairns 2019 annual report, published April 2020 “As planned, Cairn transferred operatorship
to JV partner Woodside and worked with them during 2019 to support: the conditional award of major
contracts including FPSO, drilling rig and subsea” (our Italics)
22
The 2020 crisis is likely to present different profiles of risk to different categories of oil companies: unlike
independent companies such as those in Sangomar – Woodside, Cairn and FAR - supermajors such as
ExxonMobil and Shell continue to have lots of production, and much of that production can continue to
register operating profits even at low prices. But they will quickly face a crisis of confidence among
shareholders if they cannot bring new reserves online (“reserves replacement”) or fail to maintain dividend
policies, and although they may be able to cover day-to-day costs in operations many projects may now be in a
category where they will never provide anything like the return on capital anticipated when they began.
23
http://www.energie.gouv.sn/projet-champ-gazier-grand-tortue-gta/
21
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is that this development will produce out a fraction of the reserves found at GTA. If the LNG
unit comes into operation in 2022 as planned and operates at maximum capacity for 30 years,
it will have produced about 3.5 trillion cubic feet. This is less than 15% of the estimated 25
trillion cubic feet in the field.

Exploration Fever
As well as these two fields under, or being considered for, development, there are another
nine concession areas in offshore Senegal under license, many of them being explored.
•
•

•
•

•
•

In 2011 there was a dry well at Kora1, in the AGC Profond field, on the southern border
with Guinea Bissau.
Total signed in May 2017 for a field in the Rufisque Profond concession area. The
contract has been deemed controversial because other companies allegedly
submitted better fiscal terms and the previous license holder still claims rights and is
seeking arbitration.
Kosmos announced another find in the Teranga 1 well in Cayar Offshore Profond field
in May 2016. No resource estimate has initially been given.
Yakaar discovery announced in May 2017, also in the Cayar offshore field by Kosmos.
First estimates put it at 15 trillion cubic feet. The industry press has started to talk
about how these two fields could provide the basis of a second LNG Hub. Given the
positioning this would be likely also be FLNG.
February 2018: the Tigre-1 well in the St Louis Offshore field for Kosmos came up dry.
September 2018: Kosmos Energy finds gas at Yakaar-2 in the Cayar concession.

Second Bid Round
Based on exploration and development success, Senegal announced in 2019 its first bid
round, and put up 12 blocks. In early 2020 the deadline for the round was extended to
September 2020. Details of the fiscal terms offered are discussed below.

Main Findings
Public Finances: A Blip on the Budget
The offshore sector has been touted for years as the economic engine that will drive Senegal’s
transformational growth. Various studies predicted that the government would earn
something like a billion dollars a year over an extended period of time from Sangomar and
GTA24, which it was assumed would over time be augmented by income from other
discoveries which would come into production. These estimates were based on the Sangomar
development producing out the full extent of the field’s reserves and constant price
24

World Bank. 2017. Senegal - Supporting Gas Project Negotiations and Enhancing Institutional Capacities
Project (English). Washington, D.C. : World Bank Group.
http://documents.worldbank.org/curated/en/156261506960949248/Senegal-Supporting-Gas-ProjectNegotiations-and-Enhancing-Institutional-Capacities-Project The projections in the model are below

11

assumptions. Once these assumptions are changed to only the development paths which
have been integrated into FIDs, and a price scenario which reflects both long-term structural
decline because of the energy transition, and short-term turbulence caused by Covid-19, this
picture disintegrates.

The graph above compares Senegal’s earnings from the offshore sector (GTA and full
Sangomar development) under different assumptions with the government budget25. The
dotted lines are estimates from 2019, the solid lines from projections made in 2020 to account
for new realities. Assuming a constant price of $60 per barrel, revenues would reach a billion
dollars a year in the late 2020s and hold there until about 2040. Using an energy transition
scenario would cause income to dip much sooner, with peak oil revenues lasting 2-3 years
and then dropping into fast decline. But the sector could still briefly cross the 10% line of the
projected government budget. In other words offshore petroleum income would provide a
short and modest boost to public finances.
The 2020 scenarios cause income to collapse for Senegal. Even with oil and gas prices
recovering somewhat from early 2020 lows (i.e. $45 constant per barrel in “2020 US45C”)26,
total income from the offshore barely reaches 2% of the annual budget, in one year in the
2030s. The dramatic difference is due to two elements: the reduced production estimate for

25

The budget is based on 2019 actuals, IMF forecasts for the early 2020s, and then annual growth of 6.5%,
which is in line with historical growth. All figures are in nominal dollars, accounting for future inflation.
26
Gas is assumed as $4.50 / mmBTU under this scenario, historically low for European and Asian markets but
double spot prices in those markets in early 2020.
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Sangomar, and a complex (and non-linear) relationship between the fiscal regime in the
Sangomar and GTA contracts, commodity prices and company profits27.
Another remarkable result is that, once structural price decline is assumed in the long-term,
there is very little difference to in end outcomes to government revenues even if prices pick
up again somewhat. This is because the basis for deciding to invest has changed permanently
on the corporate side. Upstream investment has collapsed globally and will not recover.
Covid-19 forces delay and then energy transition will eventually force cancellation. So even if
spot prices reached $60 by the mid-2020s, the business case, either for expanding GTA and
Sangomar or developing new discoveries, will have deteriorated too far to generate the rates
on return investors require.

No contribution to reducing public debt
These levels of income from the offshore sector will also make no discernible contribution to
reducing on Senegal’s public debt, currently (mid-2020) at 60% of GDP, or $15 billion.
What needs to be taken into
consideration here are not just
the uncertainties surrounding
the income stream, which have
been discussed, but also the
timing of them. In all scenarios,
Senegal does not reach high
levels of revenues until the late
2020s or early 2030s. This means
that the present value of the
future projected income has to
be evaluated using a discount
rate to adjust down what an
amount of money, which might Figure 1: Present Value of Senegal's future oil sector
be
obtained far in the future, is
worth
28
29
today . What that discount rate should be for a government is open to debate , and there
could be many factors going into it. Taking an oil industry standard discount rate of 10%, the
long lag time between development of the projects and generating tax income means a net
present value (“NPV10”) to the state of Senegal from GTA and Sangomar might have reached
27

Offshore petroleum projects generally have high fixed costs, meaning rates of return go up or down by more
than relative changes in price. In addition, the tax regime in Senegal’s signed contracts contains no royalty
mechanism, which would be “regressive” in fiscal terms and capture a higher proportion of sales revenues in
bear markets than the purely profit-based instruments (profit split of petroleum, Corporate Income Tax) which
predominate in the GTA and Sangomar contracts.
28
The discount rate is the most widely used conventional mechanism for measuring the present value of
future investments.
29
For an example of the discussion, see https://www.federalreserve.gov/econresdata/notes/fedsnotes/2014/the-social-discount-rate-in-developing-countries-20141009.html
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$6 billion30 assuming no energy transition and no Covid-19. This drops to around a billion
dollars – for the entire lifetime of projects lasting into the 2050s – in terms of present value.
This is a ballpark measure of what Senegal could theoretically raise in sovereign debt markets
against the future value of oil sales. But two further things should be noted here: first, that
study of the so-called “pre-source curse”31 suggests there are serious governance and
management risks associated with resource-backed loans in general, and second, that in the
current environment it is far from clear that sovereign debt markets would issue loans on this
basis.
In fact, income from the offshore would not even cover Senegal’s current debt servicing
requirement for one year32.
The IMF’s Debt Sustainability
Analysis for Senegal, published in
January
2020,
pre-Covid,
pronounced that Senegal’s current
debt situation was generally
manageable because of high
economic growth, which should be
sustained by the public investments
which are part of the Plan Sénégal
Émergent. But it also warned that
risks to that general outlook lay in big swings in energy prices and if there were lower than
expected hydrocarbon revenues in the future. By mid-2020 Senegal’s continued economic
growth at that high rate was in question, the most radical energy price swing in the 21st
century had happened, and lower hydrocarbon revenues were a certainty.

Existing Projects: Scaled Down in Response
Sangomar: even Phase 1 economics are marginal
Although Sangomar sparked the interest in Senegal, and indeed West Africa, when it was
discovered in 2014 it has not been a smooth development path. FAR Petroleum made the
discovery but did not have the funding to develop, so they farmed down to Cairn, who in turn
handed operatorship of the field over to Woodside Energy. Conoco Phillips farmed into the
field in 2016 but then sold again in 2017, triggering a dispute between FAR and Woodside

30

Expressed in nominal terms.
https://www.imf.org/external/pubs/ft/fandd/2017/12/cust.htm
32
The model takes IMF figures and projections for the period 2020-2024 and then projects a stable prportion
of government revenues against a budget which gros by 6.5 percent per year.
https://www.google.de/url?sa=t&rct=j&q=&esrc=s&source=web&cd=&ved=2ahUKEwil5K7i_PvpAhXR26QKHU
zDBqYQFjABegQIBxAB&url=https%3A%2F%2Fwww.imf.org%2F~%2Fmedia%2FFiles%2FPublications%2FCR%2F
2020%2FEnglish%2F1SENEA2020001.ashx&usg=AOvVaw2za69oUD75ZXjEEsT4BOOT
31
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over who had the rights to buy Conoco’s stake which ended in a tribunal at the International
Chamber of Commerce in early 2020.
The companies have repeatedly stated the field has a low breakeven point33, but this has been
based on the assumption of producing 600 million barrels and rapid execution. While the
project
was
always
announced in phases, in 2020
it has become clear that there
is only commitment from the
companies to Phase 1, which
aims to produce 230 million
barrels.
The capital required has
therefore dropped from $8
billion to $4.2 billion. First oil
has been pushed back from
2022 to 2023, and Woodside announced operational delays in early 2020 because of Covid19. Expenditure in 2020 was scheduled to be about a billion dollars, but by mid-year had
dropped significantly below that, raising the probability of further operational delays.
Under energy transition scenarios, the company rate of return is highly sensitive to delays.
Under a string of optimistic assumptions, made before Covid-19, the companies in Sangomar
could earn an IRR of 28%– if the oil price is held constant in real terms, at $60 per barrel, oil
production starts in 2022, the ramp up period only takes two years, and a plateau of 130,000
barrels per day is held for three years. But
when those operational assumptions
were relaxed modestly – the development
stage took a year longer, and the ramp up
period took three years not two, the IRR
dropped to 17%. All that happened to
halve the present value of the investment
were operational delays, of the kind that
frequently occur.
When at this point the ET price scenario is
introduced the rate of return dropped
again to just 9% - below the so-called
Figure 2: Rates of Return in SNE under different price and
operational scenarios

33

For instance Cairn Energy in 2018 estimated life of project breakeven of $35 per barrel
https://www.cairnenergy.com/media/2274/cairn-eage-2018-conference.pdf and the World Bank appraisal
document reached similar conclusions,
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“hurdle rate” normally considered investible.
The smaller capital expenditures needed to proceed with Stage 1 only partially address these
issues. Only one very specific set of scenarios would realistically make Sangomar yield normal
commercial returns: if oil prices recovered instantly, and held stable indefinitely. The
breakeven for Sangomar, even assuming a constant price, is now at about $44 per barrel. But
under a price scenario which also factors the market crash of 2020 and structural price
decline, even the scaled down project will not in the end yield normal rates of return. The
entire pre-tax rate of return would be 6% and the government would never earn more than
$40 million in a year.
GTA: the fiscal regime may be revised
The situation with Senegal’s gas project, GTA, is more nuanced on the face of it. The rising
consensus in the case of crude oil that we are fast approaching, or may even already have
passed, peak demand is not matched with gas.
Nevertheless
the
oversupply of LNG
means
government
revenues will take a hit,
the
underlying
economics of gas are
considered
less
profitable than crude
oil to begin with, and
the development path
of the field, floating
LNG,
means
government income takes a long time to ramp up in any case because it creates a flatter
production profile than would occur with a pipeline.
It should be noted that the constant price assumed even in the lower red line in the graph is
twice global spot markets in mid-2020. The model also does not create a scenario for
structural price decline for gas though this could happen, if over a longer timeframe than for
crude oil. The projection of government income, therefore, is not unduly pessimistic. And yet
even then income is little more than $50 million a year for the next 15 years.
The FID for GTA was taken in December 2018 with the decision made to use floating LNG. This
may have been partly to address the unitisation issue, since the Tortue field straddles the
Senegal Mauritanian border, and a 2018 agreement to split production 50/50 is only for an
initial stage. There are two major consequences of this structure that are still not widely
understood in Senegal:
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•

•

The current project will only use, at most, 15% of GTA’s estimated reserves of 25 tcf.
This makes the larger resource estimates thrown around by government and industry
irrelevant. Higher production would require a new capital phase, but the oversupply
of LNG makes any decision unlikely before 2025 which in turn means no sizeable extra
production until the 2030s.
There could be further pressure on the government’s fiscal position in the GTA
established through the upstream contracts – meaning that it would be unwise to
anticipate earning all of the revenues a model of the upstream would imply even at
that level. This can happen at two separate stages:
o Midstream contracts to govern the LNG processing unit which have still to be
concluded. The FLNG plant can either be integrated into the upstream project
or treated as a separate venture, and either path has tax implications, with the
potential for net impact to erode the tax base.34
o Since the principle gas sales agreement has been announced with BP Gas
Marketing, part of the same business group as the operator, there is a
potential transfer pricing risk. It would be possible for the operator to sell LNG
deliberately low to one of its own subsidiaries, eroding accounting profit in
Senegal and affecting both profit split petroleum and corporate income tax
liabilities to the government of Senegal. Despite the emergence of a spot
market, gas pricing is still opaque so mispricing would be hard to establish.

New Export-oriented Projects: the window has closed
The combination of circumstances also make it highly unlikely that any hydrocarbons project
not yet in development in Senegal would be viable.
Even pre-Covid, an oilonly play would already
have had to have been
twice the size of the
resource estimate for
Sangomar to cross a
hurdle rate of 15%. If the
same discovery is made
in each of the following
three years, the rate of
return
drops
to,
respectively, 14%, 11%

Figure 2: Even a giant new oil discovery is only viable if you assume markets will
continue unchanged by energy transition into the 2040s. Assumptions: $12 bln capex,
1,000 mln barrels

34

A technical assistance document from the World Bank in 2017, for example, suggests that creating a
separate venture for the liquefaction process would be easier to obtain project finance for, since it shields the
LNG process from commodity price risk, and helps relieve pressure on upstream contracts
http://documents.worldbank.org/curated/en/241711588694843827/Senegal-AFRICA-P160652-SupportingGas-Project-Negotiations-and-Enhancing-Institutional-Capacities-Procurement-Plan
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and 7%. And yet we know that Covid-19 has already caused operational delays, and a likely
global economic recession.
Although significant gas discoveries have been made in Yaakar-Terenga they face the same
LNG oversupply issues that GTA does. For instance, if the 2016 discovery at Cayar Profond
had been declared to be commercial, and led to the development of the field on the same
basis as Tortue, with a floating LNG production facility of 2.3 million tonnes a year, the return
rate would only have reached 11% even with prices at $8 per mmBTU – barely investible. But
all such scenarios buckle under the reality of LNG at $2-2.50 per mmBTU.
Part of the picture in Senegal has also been that GTA is “liquids rich”. There have been
projections of production of 20,000 barrels a day of high value condensates. But to the extent
that cash flow would be improved by the presence of such liquids in normal times, they are
now vulnerable to the Covid-ET combination of lower liquids prices both now and in the longterm.

Pressure on the government’s fiscal position
Renegotiation of first round contracts
What the marginal economics on all likely new fields suggest is that companies could seek
concessions from Senegal in the fiscal regime of contracts already signed.
There are three main revenue streams in Senegal’s fiscal regime over life of project: profit
petroleum, corporate income tax, and flows to the state oil company Petrosen. Each of these
could be subject to modification in a way which, in the case of an LNG project, would not
necessarily require formal contract revision because of the way still-to-be-signed agreements
dealing with the midstream, such as tolling and processing of feedstock gas for the LNG plant,
might specify costs and values feeding back into fiscal calculations in the upstream contracts.
It is important to understand also that the recent changes to Senegalese law, with the passing
of a new Petroleum Act and new terms offered in a bid round, will not apply to new oil field
developments which come out of already negotiated contracts with stabilisation clauses.
These apply to any subsequent changes made to the Petroleum Act.
It is hard to work out the probability of any kind of attempt at renegotiation because, in the
context of the change in project economics caused by Covid-ET it is a second order issue.
Unworkability of bid terms in the 2020 bid round
In January, just before the oil price collapsed, Senegal launched its first formal bid round,
putting 12 more blocks on offer. The fiscal structure was extensively revised partly in response
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to criticisms that previous deals had secured relatively low government share of profits,
particularly in the Sangomar field.35
There are royalties for the first time36, the profit split ratios have been revised upwards and
set against a measure of ongoing profitability37 instead of production levels, up to 30% state
participation for the national oil company Petrosen, and a 1% tax on export sales. Without
having extensively modelled the new terms, an indicative approach suggests government
take under such a regime would start at 64%-65%, higher than any signed contract.
The new terms might have been designed to capture economic rent to redress the imbalances
of the past. But they have the effect in a bear market of further degrading already marginal
economics for the companies. This makes it unlikely the bid round can successfully go ahead.
The bid round was first schedule to close in July 2020, and was then pushed back to
September 2020. It seems likely to be delayed further, and for terms to be revised.

Petrosen: May have wings clipped before it can fly
Current projects under development
A key feature of Senegal’s development of the oil industry has been the intended
development of the national oil company Petrosen, as a key player in industry consortia. The
Senegalese contracts, unusually, feature the right of state participation at the exploration
stage, which means that Petrosen is already part of the consortia which are developing GTA
and Sangomar fields.
A significant question is how far Petrosen’s participation in projects will yield extra revenues
for the state if the profit window on oil and gas projects shortens.
This primarily relates to financing. The contracts allow Petrosen the right of up to 20%
participation (although in practise the government has chosen to exercise the right to up to
18%), on condition it meets all cash calls for the costs of development from the moment
commerciality has been declared. Such costs are considerable.
For instance, if development costs are about $8 billion in the SNE field, Petrosen’s share of
that will be $1.44 billion – more than a third of the government’s annual state budget.
Assuming the state does not finance that out of its own funds, Petrosen’s share of costs will
either have to be financed by raising funds on international markets, or, more likely,
35

The OpenOil model estimates and Average Effective Tax Rate (“government take”) at Sangomar, under
assumptions of 600 million barrels at $60 per barrel, of between 49% (at $40 per barrel) and 55% (at $80 per
barrel). This is relatively low even for the circumstances of the 2004 signing, a frontier province with no proven
reserves. GTA, developed under the St Louis contract signed in 2012, fared marginally better, with AETR in a
range between 54% and 60% under low and high price scenarios.
36
Of 7% to 10% for oil, depending on water depth, and 6% for gas.
37
The R-Factor
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borrowed directly against the project, and then repaid from oil revenues once the SNE field
is in production.
If Petrosen is financed by the project, it needs to repay its share of development costs, plus
interest, from its share of oil revenues when they come. Production is due to start in 2022,
but typically there will be a few years of ramp up – and there is interest to consider.
Under the BAU scenario originally modelled in 2019, peak production in Sangomar is reached
in the mid-2020s but due to the debt plus another $205 million of interest (at a LIBOR plus 5%
project interest rate), Petrosen does not pay back the loan and reach positive cash flow before
2027. Minor operational delays alone (such as have already happened because of Covid-19)
push back production and income in the project so that Petrosen does not achieve positive
cash flow until 2031. Once energy transition was factored in, with oil prices declining just as
Petrosen needed higher revenues to pay back maximum debt and compounding interest,
Petrosen’s own break even year was pushed to 2033.
All that was before Covid-19. The model shows with the scaled down development of
Sangomar, Petrosen needs a constant oil price of $47 to make even a single dollar after paying
back the loan. Left unchecked, even the smaller loan required of about $670 million would
accumulate runaway interest, because Petrosen’s share of operating profits becomes less
than the interest on the debt it took to acquire the interest in the first place. In such a
scenario, a future government would be left with a decision of when to pull the plug on the
investment – and pay back potentially hundreds of millions of dollars of accumulated interest.
And that is on a discovery made in 2014. The impact of the ET scenario derived from the IMF
paper becomes stark in the case of any new discoveries, because the long lead times for
development and ramping up production are pushed further into the future, where they
intersect more significantly with falling prices.
If, for example, a billion barrel field were discovered in 2019, with the same contractual terms
as SNE and nearly twice as big, Petrosen would earn $729 million over the life of the project
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under the ET price scenario. But this is already more than halved if there is a delay in discovery
of even one year, to 2020. And from 2021, Petrosen is never able to earn back the loan it
needed to contribute to development costs, plus the interest generated over the years of
development. The government would be forced to judge the moment where the losses were
least, and pay back the lender a large sum of money. In the case of a 2022 discovery, this
would be $186 million, at the end of the 2030s. Just two years later, a discovery made in 2024
would result in a loss of over a billion dollars for Petrosen.
The IMF devotes a special section in its latest debt sustainability analysis to the impact of
loans required for Petrosen, and concludes that the sums involved, which would total over $3
billion if both GTA and Sangomar went ahead on their original scales, raises debt distress for
Senegal significantly.
Under such circumstances it is hard to foresee a stable and risk-free economic future for
Petrosen.

Decommissioning: what happens if there is sudden collapse?
Early project closure could also generate large scale unfunded liabilities in decommissioning
– the safe dismantlement of an oil or gas field after it has finished producing.
In the SNE case, for example, the cost to clean the oil well up at the end of its productive life
could be $1.2 billion dollars.38 The operational modalities have not been spelled out in the
38

There are no estimates in public domain so the model has allocated a percentage of development costs of
$7 billion in real terms, as is standard industry practise.
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published upstream contract, so the model builds a scenario according to standard industry
practise where the oil company is obliged to start paying funds into a separate escrow account
half way through production of the reserves, to save for the costs of the decommissioning
many years later. Under standard assumptions which ignore energy transition, the half-way
production point might be in 2028 on the SNE field, and the fund needs to accumulate an
average $50 million a year or so until the natural end of the project in the late 2040s. But if
oil prices start to fall according to the IMF scenario, the field will become unviable 10 years
earlier and stop producing – but the decommissioning will still cost the same. So average
annual payments into the fund would need to double to $100 million a year. If this is not
done, then the decommissioning fund could be hundreds of millions of dollars short and the
project would be finished so there would be no incentive for the company to contribute the
remaining funds. In theory the government might have redress through arbitration but that
would depend on the right protections being in place in the auxiliary documents that deal
with decommissioning, and also access to expertise to pursue arbitration, which can be
challenging, expensive and lengthy for governments.
The situation would be starker if there were a more disruptive break in production. A break
in production on 2030, for example, would leave the fund a billion dollars short.
Older oil provinces are already experiencing this issue even having arrived there without any
scenario of managed decline or energy transition, simply because of the natural life of the oil
province. The government of the Canadian province of Alberta recently announced that that
province faced liabilities of $8 billion or more which might have to be met by the taxpayer
because of some 155,000 disused oil wells which have not been properly decommissioned.39

Green Paradox Economics
Another area which needs to be explored is: what is the potential impact of “the Green
Paradox”, or, accelerated production of oil and gas resources in the short term because the
long-term risk to fossil fuel investments is acknowledged?
The report shows already the extreme
sensitivity of project returns to oil companies
under the IMF price scenario, depending on
when a new project would go into production.
The question then is: what happens if
production is accelerated to fit as much of the
proven reserves as possible into the short-term,
before structural price declines set in?
There is not enough space in this paper to
explore all the ramifications of this situation,

39

Figure 3: Accelerated production scenarios at SNE

https://www.cbc.ca/news/canada/calgary/orphan-wells-alberta-energy-minister-redwater-1.4420929
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but to note some general points. The first is that a more rapid production would likely entail
higher costs per barrel, as operations would be stretched and more intensive technologies
(so called “secondary recovery techniques”) would be deployed earlier and more extensively.
Secondly, there could be increased geological risk at the project level from more aggressive
reservoir management, leading in extreme cases to heavy asset impairments. Third, it would
only be prudent to assume that other producers might be thinking in the same terms – in
which case overall supply might go up faster than demand, prices would drop, and the
strategy would be self-defeating from an investor’s point of view.
The graph shows the highly unpredictable economics involved: the oil companies in the SNE
field might stand to earn $765 million in NPV10 when a constant price of $60 is assumed. But
if the Energy Transition scenario comes into play, that same rate of production would cause
profits to collapse to $271 million in NPV10. If the companies find a way to accelerate
production, that would lead to a higher yield than even under the constant price assumption.
A more aggressive production profile would likely lead costs to rise, but the graph shows that
in a world of permanent price decline, the companies could incur development and operating
costs that were 50% higher and still get a better rate of return if they were able to raise
production levels to 200,000 barrels per day in its plateau.

Conclusions
•

•

•
•

This study clearly throws light on the need for further research in several areas, such
as the potential future of the national oil company Petrosen, decommissioning
arrangements, and analysis of possible effects of “the green paradox”. The economics
of the gas projects, which will now rely on a complex middle layer of arrangements
relating to liquefaction of gas and on-site storage of LNG, also require further research.
The risks concomitant with potential revenue streams clearly suggest that, although
Senegal has published the main upstream oil contracts, further information is needed
for there to be a truly informed assessment in public domain. Notably:
o Financing arrangements made for Petrosen, either on international markets or
with the oil companies.
o Decommissioning arrangements which may have already been made in the
SNE and GTA fields.
o Cost and fiscal structures of the FLNG development solution for the GTA field.
Appropriate allocation of risk in terms of revenues when it comes to economic
development planning, and particularly sovereign debt.
What impact current planned changes to the petroleum code may have either in
raising tax rates, or environmental protections, in view of stabilisation clauses in the
existing contracts.
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ANNEX A: Methodology and Key Assumptions
DCF and the FAST Standard
This report uses a Discounted Cash Flow financial model compliant with the FAST financial
modelling standard40. All Senegal’s published oil contracts were reviewed to determine the
applicable fiscal regime, and investor statements concerning project economics have been
reviewed and interpreted into the model. The result is a model which predicts oil company
rates of return, government revenues and income for Senegal’s national oil company
Petrosen in both of the projects under development, and for other notional projects which
could come into production in the future in the event of a further discovery.
All inputs and assumptions are annotated and fully attributed in the accompanying financial
model.

Summary of Contractual Analysis
All of Senegal’s contracts appear to have been signed on the basis of the same model contract,
which has been in use since at least as far back as 2004, when the Sangomar concession was
signed. They were all published in 2016, making Senegal one of the leaders in natural resource
transparency.
The contracts are production sharing contracts (PSCs) in which the main revenue streams are:
a share of profit petroleum direct to the government, after costs have been recovered;
corporate income tax on rates that vary between 25% and 33% on the company’s share of
profit petroleum; and the right for the state to participate, via national oil company Petrosen,
at up to 20% (although a national convention in the summer of 2018 established that at 18%).
The PSCs that are the basis of actual operations are quite distinct from the provisions in
Senegalese law, and supersede them. For instance, the Petroleum Code of 1998 makes
provision for royalty payments to the governments, but there are no royalty structures in the
signed PSCS, and none will be paid as and when fields come into production. In response to
rising public attention following the 2014 and 2016 finds, and not a little controversy, the
government undertook to revise the Petroleum Code and, as at the start of 2019, a draft new
law stood ready to be put to parliament. Great expectations of improved governance have
been placed on this new bill and yet it is not clear it will have any power to change tax systems
already agreed in the PSCs since the PSCs contain what are known as “stabilisation clauses”
which prevent any future changes in general legislation from affecting the terms agreed when
the contracts themselves were signed.41

40

http://www.fast-standard.org/about-fso/
https://www.bloomberg.com/news/articles/2018-11-08/senegal-targets-higher-royalties-bigger-stakes-innew-oil-code
41
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Price Scenarios
Long-term prices are the biggest issue, since nobody know what they will be. The report uses
two set price scenarios for oil – the forecast attached to the SDS from the IEA in 2017, a
scenario outlined by in the IMF’s working paper on the future of oil, and tracking the rise of
the Electric Vehicle. In addition, we allow users to set their own price in constant 2018 dollar
terms. For gas pricing, we use World Bank forecasting until 2030, with prices going into both
the European and Asian markets, and again allow users to specify a constant price in US
dollars per million British thermal units.

Policy Driven Scenarios
In addition, the model encompasses the possibility that production could be hindered by
future supply-side decisions. The model contains a switch on the dashboard to start tapering
production in a given year, dropping off to zero production over a time period specified by
the user. If the same year is used to end the taper, as to start it, the effect is equivalent to
immediate disruption – the stranding of the asset.
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